Hydraulic fracture stimulation is frequently performed in hydrocarbon reservoirs and geothermal systems to increase the permeability of the rock formation. These hydraulic fractures are often mapped by hypocentres of induced microearthquakes. In some cases microseismicity exhibits asymmetry relative to the injection well, which can be interpreted by unequal conditions for fracture growth at opposite sides of the well or by observation effects. Here we investigate the role of the lateral change of the minimum compressive stress. We use a simple model to describe the relation among the lateral stress gradient, the mean viscous pressure gradients in the fracture wings, the fracture geometry, and the net pressure in the fracture. Our model predicts a faster fracture growth in the direction of decreasing stress and a limited growth in the opposite direction. We derive a simple relationship to estimate the lateral stress gradient from the injection pressure and the shape of the seismic hypocentre cloud. The model is tested by microseismic data obtained during stimulation of a Canyon Sands gas field in West Texas. Using a maximum likelihood method we fit the parameters of the asymmetric fracture model to the space-time pattern of hypocentres. The estimated stress gradients per metre are in the range from 0.008 to 0.010 times the bottom-hole injection overpressure (8-10 kPa m −1 assuming the net pressure of 1 MPa). Such large horizontal gradients in the order of the hydrostatic gradient could be caused by the inhomogeneous extraction of gas resulting in a lateral change of the effective normal stress acting normal to the fracture wall.
I N T RO D U C T I O N
Injection of various fluids into rock mass is widely used to increase permeability in hydrocarbon and geothermal reservoirs. If the injection pressure exceeds the minimum compressive stress, a tensile fracture is created and propagates from the injection point in two opposite directions along the direction of the maximum compressive stress component σ 1 . The fracture growth is accompanied by brittle fracturing, which radiates acoustic energy. Location of the associated microseismic events enables spatial mapping of the stimulated rock volume, particularly its orientation and growth characteristics (House 1987; Baisch & Harjes 2003) .
The growth of the hydraulic fracture, the so-called hydrofracture, depends on the stress orientation in the rock mass, the rock stiffness and existence of preexisting cracks, the injection rate and the leakoff (i.e. loss of the injected fluid to the fracture walls). The parameters of the hydraulic fracture, such as the length and its time dependence, the fracturing fluid loss and its infiltration into reservoir rocks, may be estimated either by hydraulic fracture modelling using the physical parameters of the injected fluid and rock (e.g. Economides & Nolte 2003) or by mapping the fracture extension using the induced microseismicity (Fischer et al. 2008) . Symmetric growth is generally assumed for modelling of fracture properties from hydraulic tests (Economides & Nolte 2003) . In other cases, however, asymmetric activity of induced microseismicity has been observed (Kochnev et al. 2007; Fischer et al. 2008) .
It has been discussed whether in some cases an asymmetric pattern of hydrofrac-induced hypocentres might have been related to the geometry of the seismic network or asymmetric fracture initiation associated with the limited number of perforation shots or local heterogeneities. However, it appears that this sort of asymmetric heterogeneities is usually limited to a single sedimentary layer rather than it would span vertically over several layers. Accordingly, if the hydrofracture in different layers exhibits the same direction of asymmetry (Fischer et al. 2008) , and hypocentres show a similar migration pattern during different experiments within different sedimentary layers, alternative explanations should be sought. In this paper, we propose that a lateral change in stress would result in the asymmetric shape of the hydraulic fracture, which would preferentially grow in the direction of decreasing confining stress.
Different hydromechanical fracture models have been developed in the past. Well-known models are those by Khristianovich & Zheltov (1955) and Geertsma & de Klerk (1969) (KGD-model) or Perkins & Kern (1961) and Nordgren (1972) (PKN-model, for discussion see Economides & Nolte 2003) . These models aim to estimate the fracture width as a function of injection pressure, flow rate and fracture length. They were not developed to understand fracture-induced seismicity and none of these models considers the effect of lateral stress gradients on fracture growth. The model we propose explains the asymmetric pattern of induced seismicity and the asymmetric growth of fractures that develop if stress gradients are present, that is, the relative length change in two opposite wings of the fracture. It does not aim to specify the absolute length or width of the fracture and does not depend on the vertical cross-sectional shape as the PKN or KGD models. Our model is focused to the period of injection only when the new fracture is being created. This paper is structured as follows. First, we show the hydrofracture asymmetry observed in a low-permeable sandstone gas field in West Texas (Fischer et al. 2008) . Second, we propose that the asymmetry could be caused by the horizontal stress gradient and introduce a hydromechanical model to relate the asymmetric geometry of the fracture to the stress gradient. Finally, we apply this model to the observed fracture asymmetry and determine the horizontal stress gradient in different stimulated layers. We also discuss the parameters obtained and possible causes of the stress gradients in the West Texas gas field.
A S Y M M E T R I C H Y D RO F R A C T U R E I N C A N YO N S A N D S
The asymmetry observed by Fischer et al. (2008, see Fig. 1 ) was manifested both during the injection phase in the different length and speed of growth of the fracture wings, and also after shut-in by continued growth in one direction only. This is illustrated in Fig. 2 that shows the time dependence of the position of microearthquake hypocentres along the extension of the hydrofracture. These plots clearly show that during injection period the fracture extended faster in the direction of positive coordinates (NE direction in the map view of Fig. 1 ) and after shut-in continued growing only to NE. Because the asymmetry, namely of the after-shut-in growth, occurred in all stimulated depth layers in the whole depth range of 250 m, it cannot be explained by a local scale heterogeneity of the rock stiffness or permeability in one sediment layer. Also an unfavourable orientation of the perforations shots appears rather unlikely to explain the same asymmetry in the different depth levels, because the orientation of the perforation guns was not controlled during the treatment and thus uncorrelated in the different layers. Furthermore, the guns with shots covering the whole circle in 60
• intervals were used (J. Le Calvez, 2008, personal communication) leading to an almost preferable orientation in each layer.
To check whether the asymmetry is not an artefact of the monitoring conditions, we determined the signal-to-noise-ratio (SNR) of events along the fracture strike (Fig. 3) . Because the minimum SNR is proportional to the minimum detectable signal at the monitoring array, it is independent of hypocentral distance and should be approximately constant. This is in agreement with the measured minimum SNR in Fig. 3 ranging mostly between 10 and 15 dB. How- ever, the maximum SNR, which is proportional to the maximum observed amplitude, should decrease with increasing hypocentral distance and converge to the minimum SNR. As we do not observe this convergence at the shorter (left) fracture tip in any depth layer, we can rule out the influence of the different distances between the fracture tips and the monitoring system on the observed fracture asymmetry.
As an alternative explanation we suggest that the fracture asymmetry was caused by a gradient of the stress driving the fracture growth. In the next section, we describe the fracture model including the effect of stress gradient; the possible sources of the gradient are discussed in Section 4.
MODEL
Our model is limited to the period of fluid injection when the fracture continues growing. It is based on the following simplifying assumptions. (i) The position of microseismic events maps the hydrofracture, and in particular the seismic front maps the fracture front.
(ii) The hydrofracture occurs in a horizontally stratified sedimentary rock, that is, we neglect possible topography effects of the fracture walls such as roughness and tortuosity.
(iii) The conditions for fracture initiation on the wellbore are isotropic.
(iv) The gradient of the stress normal to the fracture is constant in the scale of the fracture.
Fracture model equations
A schematic illustration is given in Fig. 4 . Fluids are injected at depth into the rock formation at horizontal position x = 0 and with a volume flux q. The volume flux in the borehole splits at the injection point into two components associated with the left and right wing of the newly created fracture.
The downhole injection pressure P 0 is held constant during injection. We suppose a laterally homogeneous medium with constant differential stress σ 1 -σ 3 ; we define the compressive stress as positive. The large-scale stress heterogeneity of the medium is characterized by the mean horizontal gradient g of the lithostatic stress, which adds-up both to the maximum and minimum horizontal stresses σ 1 and σ 3 . The hydrofracture opens in the direction of σ 3 ; its opening and shape depends on the driving stress on the tips and elastic medium properties of the rock.
The driving pressure p net (termed also net pressure) is defined by the difference between absolute fluid pressure P and normal stress σ 3 on the fracture wall, that is, p net = P − σ 3 . A positive driving pressure drives the growth of the fracture at both tips and keeps the fracture open. The length of the fracture wing is increasing with time and denoted by a(t) > 0 The absolute fluid pressure is equal to the injection pressure P 0 in the injection point and decreases due to viscous losses along the hydrofracture wings down to P 1 on the left and to P 2 on the right fracture tips. We characterize the pressure drop between the injection point and the fracture tips by the mean pressure gradients g v1 (t) and g v2 (t) (g v1 > 0, g v2 < 0). The injected viscous fluid flows along both wings with average velocities v 1 (t) Figure 3 . Signal-to-noise ratios (dots) of microearthquakes located along the hydrofracture extension for three depth layers indicated in Fig. 1 . The blue and red curves show the minimum and maximum signal-to-noise ratio (its 5-and 95-percentile) calculated in a moving window of 10 m length with the step of 4 m. and v 2 (t). The flow type is assumed to be similar in both wings of the fracture (e.g. laminar).
We first discuss the uncoupled left and right wing separately. The fracture wings have a length a and stationary flow of the injected fluid inside. Accordingly, the pressure at the tip of the left and right wing decreases due to viscous losses to P 1 = P 0 − g v1 a, and P 2 = P 0 + g v2 a, respectively. The condition for a hydraulic fracture growth requires that the net pressure at a fracture tip is at least zero, that is, P 1 = σ 3 (− a) and similarly P 2 = σ 3 (a). Expressing the minimum stress σ 3 at fracture tips by the minimum stress at x = 0, σ 30 and the stress gradient g, the growth condition reads as
and similarly 
The proportionality constant depends on the fluid viscosity and the cross-sectional geometry of the fracture. The length dependent, uncoupled formulation is used to eliminate the unknown width w(a),
Eq. (4) is valid for any length a when |g v1,2 | > 0, that is, until a stops growing. It is important to note that the width in both wings is not the same at a given time t, since then the fractures have different lengths. The next step is to introduce a quasi-static model that couples the growth of the left and right wing. We assume that the velocity of the growing tip of a fracture wing is equal to the average velocity of the flow in ±x direction, that is, v 1,2 = ∓da(t)/dt. This can be justified since the growth rate of the average thickness is much smaller than the growth rate of the tip, so that laminar flow is very likely conserved during growth. Additionally, we suppose that leakoff could be neglected or is compensated by increasing injection with time.
Since the time is not explicitly present in eq. (4) the relation can be expressed as a function a = a(t). We define the length
, and obtain a timedependent solution by means of integration of eq. (4) as
The initial condition is a 1 = a 2 = 0 for t → 0, and we have solved
1 /2 and v 2 a dτ = +a 2 2 /2 by partial integration. The values a 1 and a 2 in (5) represent the fracture length of the coupled left and right wing from the beginning of injection to time t. Finally, we can equate the lateral stress gradient g as
To determine g, one needs to know the downhole injection pressure P 0 and the closure stress σ 30 . P 0 can be either measured during the injection or it can be calculated from the surface pressure using the viscous losses in the borehole and the fluid density. The closure stress σ 30 is usually available from shut-in pressures. If any of these quantities are not known, our model enables to determine the stress gradient related to the net pressure, for example, the quantity g/ p net 0 .
Model predictions
Solution of eq. (6) gives the relation between the length a 1 (t) and a 2 (t) of the short and long wings
The net pressure p net 0 may either be constant, as assumed in the derivation, or slightly varying with time. For instance, fluid storage or leakoff can be assumed to act even over the whole fracture length and may be considered by a change of p net 0 with time. The mutual relation between the lengths of hydrofracture wings a 1 and a 2 described by eq. (7) is illustrated in Fig. 5 for different values of the ratio g/ p net 0 . Different curves show the growth of the length a 1 of the smaller wing for a linear growth of the larger wing a 2 . As expected, the length of the smaller wing equals the length of the larger wing for a zero stress gradient g and decreases with increasing g.
The fracture can only grow as long as the square root in (7) has a positive argument, in particular for −
note that g > 0. Analysis of the derivative da 1 da 2
shows that a 1 reaches maximum at a 2 (t) = − p net 0 g and decreases with continuing injection, that is, a 2 (t). Thus a too low injection pressure may, however, result in an initial growth of the shorter fracture wing followed by its continuous closure. Although such a behaviour can be expected for low net pressures or very long injection periods, our theory does not properly consider this case since the flow in the shorter wing may turn at this point and thus eq. (4) would not hold. Accordingly, we plot in Fig. 5 only the range where a 1 is increasing. One way to make the fracture more symmetric is to increase the injection pressure with time. This is illustrated in Fig. 5(b) calculated for a slowly increasing injection pressure in the form of t 0.25 , which is in accordance with the Perkins-Kern-Nordgren (PKN) model of hydraulic fracture (Economides & Nolte 2003, pp. 6-4) . In this case the growth of the smaller wing is faster.
A P P L I C AT I O N T O T H E C A N YO N S A N D S DATA S E T A N D D I S C U S S I O N
We test our model predictions of the asymmetry by means of the microseismic data set acquired during a hydraulic fracture treatment of a tight gas reservoir in Canyon Sands, West Texas (see Figs 1  and 2) .
For the following analysis, we assume that the seismicity clouds match approximately the underlying hydrofracture geometry and that p net 0 was constant during injection. To determine the timedependence of the lengths of the hydrofracture wings a 1 (t) and a 2 (t), we apply the methodology described in our previous paper (Fischer et al. 2008) . Here, we give only a brief description. Based on the mass balance equation for fluids, the wing-length L of a straight planar height-fixed fracture (PKN model) is given as a function of time t according to L(t) = (t − t 0 )/(a + b √ t − t 0 ) with constants Table 1 ; thin lines refer to the lower and upper bound of the estimated g-value. In (a), the dashed lines indicate the trend after shut-in. a = 2hw/q and b = 4 √ 2hC/q (Economides & Nolte 2003; Shapiro et al. 2006) . Here h and w are the average height and width of the fracture, C the leakoff coefficient, and t 0 the initiation time of the hydrofracture.
We use this parametrization to fit the observed hydrofracture growth a 2 (t). According to our model, the expected temporal growth of the shorter fracture wing a 1 (t) is then directly determined from a 2 (t) and the parameter g/ p net 0 using eq. (7). Thus our model consists of three parameters (a, b and g/ p net 0 ) and an unknown hydrofracture initiation point x 0 and time t 0 . As input data we use the positions of microearthquake hypocentres along the strike of the hydrofracture as a function of the earthquake origin times. We simultaneously optimize all five model parameters by means of a grid-search using a maximum likelihood method.
The results for the depth layers A and B stimulated by the injections during the stages 2, 3 and 4 in which the asymmetry is most pronounced are given in Table 1 ; the error intervals of g refer to a 86 per cent decrease of the likelihood function. Fig. 6 shows the fits of the seismicity evolution. It appears that our model fits the observational data quite well. For the deeper layer B, the larger wing is found to grow linearly with time in agreement with our previous results (Fischer et al. 2008) showing a zero fluid leakoff (b = 0). As the net pressure is not known for this data set, we scale the estimated stress gradient in Table 1 to the same units by the assumed net pressure p net 0 = 1 MPa. The resulting lateral stress gradients g = 10, 8 and 8 kPa m −1 for the injection stages 2, 3 and 4 approach the hydrostatic gradient of 10 kPa m −1 , which appears as a rather large value and could indicate that the net pressure was probably smaller.
In general, g could be interpreted by a lateral variation of the rock strength, normal stress on the fracture wall and also by inclinations of the reservoir layers. However, inclined layers would result in only a very small gradient in fractions of the lithostatic stress. Furthermore, the well logs and locations of events show almost horizontal layers, which rules out this interpretation. We also expect that the strength variations in horizontal layers are negligible compared to the possible pore pressure changes influencing the effective stress. Accordingly, the pore pressure gradient due to inhomogeneous depletion of the gas field appears the most likely interpretation. In particular, a local depletion of a low-permeability reservoir can result in suprahydrostatic lateral pore-pressure gradients if the reservoir is exerted to lithostatic conditions.
C O N C L U S I O N S
We referred to the asymmetric shape of hydraulic fractures created by an injection of fluids in the rock formations and suggested that, besides other possible interpretations, the asymmetry could be easily explained by the horizontal gradient of the confining stress, which results in a different closure pressure on opposite sides of injection. We propose a fracture model and derive simple analytical equations to relate the lateral stress gradient to the parameters of the hydrofracture. This model indicates that the lateral stress gradient can be determined from the net pressure and the length difference between the fracture wings. We tested the model on the asymmetric microseismicity accompanying the growth of hydraulic fracture in the Canyon Sands formation in West Texas. Application of our model to the depth intervals with the most asymmetric behaviour showed that the ratio between the lateral stress gradient and the overpressure ranges from 0.008 to 0.010 1 m −1 . Provided the net pressure is in the range of 1 MPa, the lateral stress gradients would span the range from 8 to 10 kPa m −1 . We assume that such large lateral gradients, which are in the order of the hydrostatic gradient, could be explained by unequal depletion of a tight gas field in both horizontal and vertical directions.
